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Presenter
Presentation Notes
Unconventional reservoir stimulation is becoming a much larger part of the stimulation industry, especially in North America. This section discusses the problems associated with translating conventional design concepts to unconventional reservoirs. 
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How Do We 
Optimize Stimulation Designs? 

• Experience
– Our personal observations
– Our past history
– Our expectations of what will be successful

• Diagnostics
– Pump‐in tests
– Fracture mapping
– Tracers (chemical and RA)

• Reservoir characterization
– Log analysis
– Core studies

• Models
– Fracture geometry 

• LEFM, planar, 2D, 3D, coupled, shear decoupled?
– Reservoir production

• single phase, multiphase, transient, infinite acting, isotropic, Darcy?

Are these transferable from conventional to unconventional?

Presenter
Presentation Notes
When moving to an unknown area or a new reservoir, we typically apply learnings and experiences from past projects. We also tend to develop expectations based on previous experience. These may not apply well when moving from conventional to unconventional reservoirs. The same caution must be applied when analyzing and interpreting diagnostics of all kinds. Log analysis can also offer new pitfalls when applied to unconventional systems. One first-order problem is that production in these reservoirs may be unrelated to “matrix” properties that affect log response. Finally, fracture design and production simulators developed and calibrated for conventional systems may lead to questionable results when applied to more complex systems. 



© 2009

What Are Unconventional Reservoirs?

• Tight and ultra‐tight gas sands
– Perm less than what? 0.01 md?
– Composed of 

• Fluvial channels and lenticular sands
– Anisotropic and discontinuous bodies

• Gas shales
– What is a shale, anyway?

• Typically less than 20‐30% clay
• May be quartzitic or carbonaceous
• Fine grained, small pore‐size, high TOC?

– What is the production mechanism?
• Darcy’s law for free‐gas flow?
• Diffusion from kerogen?

– How do we estimate gas content and recovery
• Coalbed Methane 

– Wet or dry coals?
– What is the permeability of the cleat system?
– What controls gas content and recovery?

• Desorption isotherm?
• De‐watering or rate of pressure decline?

Presenter
Presentation Notes
For the purposes of the discussion here, unconventional reservoirs are considered to include CBM, shale gas, and ultra-tight gas sands (silts). Often the distinction between a gas shale and ultra-tight sand or silt may be difficult to make. A closer examination of typical industry semantics leaves a clear definition of “shale” wanting. 
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Puzzles for Unconventional Reservoir 
Development

• Pay identification and Gas In‐Place
– Porosity, saturation, TOC, desorption isotherm, net pay, 
drainage area, aspect ratio

• Permeability
– Porosity and Sw relations, stress dependence, effects of 
fractures, capillary effects (perm jail?)

• Stimulation design – frac geometry
• Production forecasting and EUR
• Applying pressure diagnostics
• Managing stimulation damage 
• Perforating

Presenter
Presentation Notes
The puzzles and problems confronting us in unconventional gas are similar to conventional reservoirs, but are often much more challenging. Determination of net pay can be difficult when the factors controlling the actual producing mechanism may be hard to quantify. Typically, permeability does not relate to matrix porosity and productivity cannot be predicted from log-derived properties. Production may be more controlled by secondary permeability systems that are frequently sensitive to stress, flow rate, and saturation. This leads to difficulty in production forecasting, reserves estimation, stimulation design, and all other aspects of development. 



© 2009

Gas Storage v. Frac Placement
and Production

• Logs (DTC step‐out) help show gas and TOC content
• Areas of high gas content may not be productive

– Gas is there because it is trapped
– Gas may be at high pressure, increasing frac gradient
– High stress and no “natural” fractures means no frac 
placement or production

• How do we identify best frac placement to contact 
stored gas?

Presenter
Presentation Notes
A common question asked about gas-shale stimulation is “where should I put the well or frac?” Should the fracture target the rock that’s easiest to frac or that with the highest gas content? Does high gas content necessarily mean high productivity? Frequently the answer to the last question is “No”. Determining the optimal position for perforation or lateral placement requires a thorough understanding of the deposition, maturation, and deformation history of the reservoir. 



© 2009

Log‐Derived KH Rarely Works in 
Unconventional Reservoirs

• Porosity does not correlate well to 
permeability
– Pore size and size distribution are needed

• Saturation (or resistivity) may be misleading
– Distribution of phases, wettability, clay 
morphology (not volume) may be important

• Small, sparse natural fractures contribute to 
effective permeability in tight rock

Presenter
Presentation Notes
Problems arise because most of the tools developed for conventional pay analysis focus on matrix properties like porosity and saturation. These appear to have little correlation to productivity, based on analysis of many well logs, whole core, and post-stimulation production analysis. Small fractures and micro-fissures can be caused by completion and stimulation activities, and can change character rapidly with saturation and drawdown. This makes productivity estimation difficult. 



© 2009

Gas Recovery Mechanisms in Coal

Presenter
Presentation Notes
A closer examination of gas mobility in coals illustrates the problem. Most gas contained in coals is in the absorbed state on the solid surfaces of the coal, in micropores. The gas molecules are associated with adsorption sites on the solid surface and are packed so tightly that they occupy much less space than when in the free gas state. A drop in pressure causes some gas molecules to desorb from the surface and begin to diffuse through the coal microporosity. Diffusion is controlled by Fick’s Law, and not by Darcy flow. Only when the gas molecules reach the open cleat network do they begin to flow under Poisseulle or Darcy conditions. 
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Porosity of Coals

• Macropores (> 500 Angstroms)
– Space within cleats and natural fractures
– primarily determines the storage capacity for water
– considered to vary between 1-5%

• Micropores (8 to 20 Angstroms)
– Capillaries and cavities of molecular dimensions in the coal matrix
– Essential for gas storage in the adsorbed state
– Gas is adsorbed on particle surface 
– 98% of methane is typically adsorbed in the micropores
– Storage capacity is equivalent to 

• 20% porosity sandstone of 100% gas saturation @ the same depth
• 1 lb of sample Fruitland coal has an estimated internal surface area of 

325,000  to 1,000,000sqft
– A very large volume of methane can be stored in the micropores of coal 

despite low porosity in the cleat system.

Presenter
Presentation Notes
The porosity of coals is split between macro porosity, the cleats and fractures, and microporosity. Large pores are responsible for the observed permeability to water of a wet coal and the overall Darcy flow capacity. Permeability in the cleats and fractures is highly sensitive to stress and saturation. Most of the gas is contained in micropores of angstrom size. The surface area of these pores is immense and controls the gas content of coals. 
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Typical Size Distribution in Coal 
Porosity

Presenter
Presentation Notes
The table gives the pore size distribution of coals based on 12 different samples with coal rank from lignite to anthracite. Coals of most interest to us in the CBM process (hvAb to lvb) exhibit multiple pore sizes but are predominantly in the < 12 angstroms range.Lower rank coals have more large pores that increases the permeability to water. Absorbed gas content is also affected by maturation and rank. Overly mature coals may have little remaining absorbed gas. 
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Gas Storage & Transportation Mechanism in 
Coals (contd..)

Presenter
Presentation Notes
The table provides a comparison of  molecular diameter to the pore diameter range in coals. The size of a micropore in coal is of the same order as a single molecule of typical fluid that must find its way out of the coal Matrix. Carbon dioxide molecular diameter is approximately 15% larger than the methane molecule diameter. 
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Saturation vs Undersaturation

Presenter
Presentation Notes
Desorption of gas is characterized by the Langmuir Isotherm. The curve shows the volume of gas released as a function of pressure (at equilibrium). If the ambient pressure in the cleat system cannot be reduced through production and dewatering, then little or no gas will be released for production. CBM production is controlled by the behavior of the isotherm for each particular coal. 
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Permeability Change with 
Shrinkage

• Matrix shrinkage:
– Coal matrix shrinks as 

gases desorb and this 
causes an enlargement 
of the adjacent cleat 
spacing – increased 
permeability

– Effect increases with 
adsorbate affinity for 
coals (i.e. effect is more 
for the desorption of 
CO2 than for methane)

Presenter
Presentation Notes
Desorption of gas changes the bulk volume of the coal matrix. At the same time, the drop in pressure in the cleat system causes compaction and loss of flow capacity in the cleats. The plot shows a typical curve of effective permeability of the cleat system with pressure and adsorbed gas volume. In the flat portion of the isotherm, little gas is released and the coal bulk volume stays roughly constant as the cleats collapse. At the low end of the isotherm the rate of desorption increases and the coal matrix shrinks. This allows cleat aperture and permeability to increase. In dealing with CBM plays, it is critical to remember that all stimulation is directed at enhancing and maintaining permeability in the cleats and not the matrix.
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Shale‐Gas Production 
Follows a Similar Model

Presenter
Presentation Notes
Production in gas-shale follows a similar path to CBM. Gas stored in the bulk shale matrix must move from the micropores and organic material into conductive fracture channels that carry the gas to the well. Frequently the matrix is fractured during hydrocarbon generation and these fractures provide the path for primary migration. Darcy matrix flow may not exist in shale, and all measureable flow may be in fracture networks and controlled by diffusion. 



© 2009

Shale‐Gas Content: Free and Adsorbed Gas 

Presenter
Presentation Notes
Desorption isotherms for shale-gas are typically much flatter than for CBM. The pressure must be dropped to well below discovery pressure to drive significant desorption. At this low pressure the production rate is limited by the available drawdown. While sorbed gas can account for considerable gas in-place in shales, it generally does not contribute to economic rate or recovery. The free gas associated with gas saturated pore space and fractures accounts for most of the recoverable reserves. 
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Effect of Sw of Effective Gas Permeability for 
Low‐Perm Systems

Presenter
Presentation Notes
Permeability in ultra-tight gas sands, silts, and shales is also dependent on saturation. The presence of water or liquid hydrocarbons can obstruct gas flow severely in small pores. The capillary threshold pressure of a liquid blocked pore must also be overcome to initiate any flow. The data in the plot are taken from Alan Byrnes and others, and show relative permeability for tight gas sands as a function of residual water saturation. Data showing positive gas relative permeability at 100% Sw are suspect, but the general trend of the data is representative of what should be expected. The relative permeability is the fraction of the absolute permeability (corrected to net effective stress) left at the indicated saturation. In silts and shales starting with 1e-6 mD absolute permeability, does a rel-perm factor of 0.001 really matter?



© 2009

Flow Through Smooth Surfaced 
Fracture, The Cubic Law Equation

Q = Flow rate (bbl/day)
H = Height of fracture (ft)
ΔP = Pressure differential (psi)
b = Fracture aperture (in)
L = Length of fracture (ft)
μ = Fluid viscosity (cp)
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Presenter
Presentation Notes
In most coals and shales, the dominant flow network is the fracture and microfracture system.  The permeability of smooth parallel plates can be calculated using the cubic law, or Poisseulle’s Law for flow between parallel plates. The volume flow rate varies with the cube of the fracture width or aperture. Craft and Hawkins (p 283) give the effective permeability of a fracture as 54,000,000b2 darcy (with b in inches). They also provide a means to estimate the effective permeability of a matrix system with included fractures parallel to the direction of flow. 
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Effect of Fractures on System 
Permeability for Parallel Flow

Assumed Fracture Aperture = 0.001”

Matrix Perm

Presenter
Presentation Notes
The method of Craft and Hawkins has been applied to estimate total system permeability for flow in parallel for fractures of constant aperture and matrix permeabilities ranging from 0.05 to 0.0001 mD. As is commonly noted, small fractures have little impact on flow capacity in moderate to high perm rocks (conventional reservoirs). As the matrix permeability drops, the importance of the fracture network increases. A sparse fracture network can increase the system permeability 1000 fold over the matrix permeability. In the plot, each red dot represents a large-scale system permeability of 0.1 mD, regardless of starting matrix permeability. 
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Core Permeability 
Changes with Stress Cycling

Presenter
Presentation Notes
The inherent stress sensitivity of fractured cores is shown by the data in the figure. Application of net stress, by decreasing pore fluid pressure at constant depth, causes collapse of the fracture aperture, crushing or asperities, generation of fines, and irreversible loss of permeability. Depending on the hardness of the rock, net stress, distribution of fracture apertures and orientations, and fluid sensitivity, the degree of permeability loss can be severe.  
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Unpropped Fracture 
Conductivity Loss with Stress

Presenter
Presentation Notes
The data show an actual stress and fluid sensitivity test on a producing shale-gas core. The initial loss of permeability is caused by increasing net stress with hexane (a non-reactive fluid) flowing through an induced fracture down the axis of the core. The permeability drops by 100 fold with stress increasing from 400 to 3000 psi. With a constant stress of 3000 psi the flowing fluid is changed to 7% KCl brine. The perm immediately drops an additional 200 fold because of the interaction between the saline brine and shale at the fracture face. This type of shale is not expected to produces well from induced shear fractures generated by a large volume waterfrac. Unless the fractures are propped, their conductivity will decrease to useless levels with the application of drawdown. 
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What Kind of Frac Do We Need?

• Single planar frac
– Limited surface area
– All flow passes through a small channel
– Requires high conductivity
– Production dependent on frac conductivity and 
reservoir perm

• Complex (shear) fracture network
– Large surface area exposed
– May not be able to connect and drain entire network 
(load recovery experience)

– Fracture conductivity may be less important (except 
near the well, but must be measurable)

– Production dependent on effective surface area 
(diffusion dominated)

Presenter
Presentation Notes
Understanding the nature of permeability and flow capacity in shale and coal leads to the question of what type of frac is really needed. Conventional designs that focus on long planar fractures with large width and conductivity may not be the most desirable. In unconventional systems, it may be better to try to maximize exposed surface area for gas diffusion, as long as sufficient conductivity can be maintained to transport the liberated gas to the wellbore. 
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Complex Fracture Network 
or Simple Planar Frac?

SPE 90051, Fisher et al, 2004

Presenter
Presentation Notes
Microseismic mapping suggests that fracture complexity can change over a wide range. The frac at left is typical of the Barnett fairway, where horizontal stresses are nearly equal and a pre-existing joint system controls fracture growth. The frac at right is in the US Rockies in a more biased stress field. In this case, the fracture is essentially planar. Control of the frac geometry is mostly maintained by the rock properties and in-situ stress state. In some cases, changes to fluid properties, pump rate, and other design parameters can affect fracture geometry. In general, lower viscosity and lower rate promote more complex dendritic fracture systems. High viscosity and higher rate tend to generate more planar fractures. When the formation is jinted and prone to complex \shear failure, the effects of rate can be difficult to predict. 
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Simple Model for Complex Transverse 
Fractures

Presenter
Presentation Notes
In some cases, the purpose of a horizontal well or induced fracture is to intersect existing fractures to increase the surface area of the formation exposed to the well. This requires a stress field that allows propagation of an induced fracture across existing joints or fissures or drilling a well in the direction of minimum in-situ horizontal stress and communicating to existing fractures. The simple model illustrated assumes that each existing fracture has an effective tip-to-tip length of 100 feet and they are connected by an infinite conductivity channel, either a lateral well or primary hydraulic fracture with a specified half-length. The spacing of the transverse fractures is varied to estimate the increase in exposed surface area compared to a single vertical fracture with height of the pay zone and length Xf. The surface area may not translate directly to recovery or even rate in systems of measurable permeability, due to interference effects. In extremely low perm systems, dominated by diffusion, surface area may strongly impact IP and performance.
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Increase in Exposed Formation Area 
with Multiple Fractures

Presenter
Presentation Notes
The chart shows the estimated increase in surface area for different primary fracture lengths and transverse joint or fracture spacing. In highly jointed systems, like coals and some shales, with spacing of 1-5 feet, the increase in area can approach 1000 fold. These systems are most effectively stimulated by drilling and fracturing to maximize the number of secondary fractures or joints intersected. 
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Estimating EUR and Production

• Decline Curve Analysis 
– Produced at capacity
– Produced at constant BHP
– Drainage area must remain constant

• Only valid in boundary‐dominated flow (when is that?)

• Material Balance
– Reservoir fluids in phase equilibrium
– Accurate fluid properties and production data
– Reservoir saturations are uniform throughout
– Reservoir pressure can be represented by a single average value (what is 

it?)
• Rate‐Transient Analysis

– Homogeneous, isotropic reservoir
– Single Phase flowing (water and condensate immobile)
– Isothermal, laminar flow (negligible non‐Darcy effects)
– Gas material balance is valid (no active water drive)

SPE 78695, Cox et al

Presenter
Presentation Notes
Methods used to determine EUR and in-place reserves are based on conventional reservoir performance assumptions. In unconventional reservoirs, these assumptions may not be valid, or may only be valid so late in the reservoir life as to be useless. Arps decline curves are commonly applied with little concern for the requirement that the reservoir be in pseudo-steady state or boundary dominated flow. Material balance equations require an accurate estimate of average reservoir pressure which can be nearly impossible to achieve in a reasonable time for extremely low permeability systems. Only rate transient analysis holds some hope for a valid result. 
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Establishing time to Pss/BDF

• By using the following equation a reasonable 
estimate can be made:
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Presenter
Presentation Notes
The time required to reach boundary dominated flow (BDF) can be estimated from the dimensionless time function shown. The approximation for tDA at BDF based on aspect ratio (L/W) is for a well in the center of a rectangular drainage area. 
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How Long Until 
Decline Curves are Valid?

~ 4 days

~ 1 month

Presenter
Presentation Notes
For microdarcy reservoirs it can take years for a production induced transient to reach reservoir limits. The decline curve method is perfectly suitable for reservoirs in the 0.1md and higher range. 
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Evaluation of 
Techniques for Reserve Forecasting
• Eclipse Simulation Case: channel flow

Drainage Area – 160 acres Model Parameters
Formation Top, ft 10,000

Initial Reservoir Pressure, psi 5,000

Net Pay, ft 40

Gas Specific Gravity 0.65

Effective Gas Perm.  Md 0.05

Fracture Half Length, ft 200

Fracture Conductivity, md-ft 500

600 ft

OGIP 4.1 Bcf

Rec.     1.9 Bcf after 30 years 

EUR   2.8 Bcf after 81 years

Simulation Controls
• Flowing tubing pressure of 100 Psia

• Economic limit 30 mcfpd and/or 30 years

• Single layer systems

Presenter
Presentation Notes
A reservoir numerical simulation study conducted by Stuart Cox (SPE 78695) illustrates the potential for error in reserves estimation using inappropriate methods. The example shown here is for a 160 acre drainage area with a 600 foot wide drainage channel. Reservoir parameters are shown in the figure. 
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• Hyperbolic exponent > 1 
•(still transient)

• Time BDF  ~ 5450 days
• Exponential decline

•Under-predicts EUR at 180 days
• over-predicts EUR after BDF

• SI required to reach avg. press (P/z)
•> 100 yrs

EUR results after 180 days of production

Presenter
Presentation Notes
After 180 days of production a decline curve extrapolation yields a wide range of possible reserves estimates depending on the exponent assumed. None are theoretically valid as the well is still in transient flow. Using apparent average pressure from a short-term buildup also results in large errors in reserves. 
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Gas in Place = 0.68 BCF - Equivalent Area 27 acres -  180 Days

0.0

0.5

1.0

1.5

2.0

2.5

3.0

0 0.02 0.04 0.06 0.08 0.1 0.12 0.14 0.16
QDA

1/
P w

D

Simulation
Analytical

0.01

0.1

1

10

100

0.000001 0.00001 0.0001 0.001 0.01 0.1 1 10 100
tDA

P w
D

 o
r P

w
D
'

Simulation PwD
Simulation PwD'
Analytical PwD
Analytical PwD'
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Infinite Conductivity Fracture in 3.1 to 1 Rectangular Boundary at 180 Days

With transient analysis, you know when BDF occurs

Presenter
Presentation Notes
Production decline analysis, when conducted correctly, indicates when BDF occurs and when the actual OGIP can be determined. This method can be used to conservatively estimate reserves during the transient period. 
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Estimating Reserves

• In unconventional reservoirs it can take years to 
establish boundary‐dominated flow

• An accurate pressure buildup for material balance 
(P/z) can take years

• Do reservoirs controlled by desorption ever behave 
as volumetric systems?

• Only rate‐transient analysis can give insights into:
– Drainage aspect ratio
– Transient flow regimes
– Effectiveness of stimulation

Presenter
Presentation Notes
In summary, only rate transient analysis can give reliable reserve estimates in tight gas and shale-gas systems, and only when properly employed. Gas shales that have a large adsorbed gas component may never behave as perfectly volumetric reservoirs. 
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Pressure Diagnostics

• G‐function and log‐log flow‐regime plots for 
conventional and unconventional reservoirs

• Does injected fluid (water) enter pores for 
coal and shale to establish a reservoir 
pressure transient?

• Can we diagnose fracture system extent or 
conductivity from falloff behavior?

Presenter
Presentation Notes
Another technology borrowed from conventional reservoirs is the pre-frac diagnostic injection test. Correct analysis of the test relies on identifying an established reservoir transient flow regime. If the induced pressure transient does not propagate in the porous medium, the analysis may be invalid or can give misleading results. 
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G‐function in a “Shale” that looks like 
a reservoir

GohWin Pumping Diagnostic Analysis Toolkit
Minifrac - G Function
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Presenter
Presentation Notes
The G-function derivative shows leakoff with minor PDL during the initial decline. Fracture closure occurs at Gc = 12.02 and WHP = 4128.3 psi. This gives a BHP of 9822 psi or 0.75 psi/ft as fracture closure gradient. Fluid efficiency for the water injection was 86.5%. The net fracture extension pressure was 841.6 psi above closure. PDL ends at 10216 psi BHP, or about 394 psi above closure pressure. The falloff after closure is unusually long, reaching G>80. The late-time rise in the derivative may be the result of reservoir boundary effects or a decrease in transmissibility at some distance from the well. This response is occasionally observed in very long falloff tests and is not believed to be associates with fracture closure.
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Post‐Closure Reservoir Transient in a 
“Shale” Test

GohWin Pumping Diagnostic Analysis Toolkit
Minifrac - Log Log
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Presenter
Presentation Notes
The closure event is also shown on the log-log derivative plot. The log derivative rises and plateaus slightly at the indicated closure time.  The negative half slope of the log derivative curve indicates pseudo-linear flow has been established.
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Coal Injection Test: 
Is this a fracture test?

Presenter
Presentation Notes
In the coal injection test, the pressure never stabilizes. This may indicate injection into a deforming cleat system and not extension of a “normal” fracture. The analysis of the falloff may not correspond to the basic theory for fracture test analysis. 
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Coal Injection 
G‐Function Interpretation

Bottom Hole ISIP – 7216 psi (0.91 psi/ft)

Closure Pressure – 5939 psi (0.75 psi/ft)

Presenter
Presentation Notes
The G-function derivative signature looks like a conventional closure, but the apparent closure stress is high (approaching overburden). The continuous curvature of the derivative may indicate “tip extension” or leakoff to existing open cleats. 
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Coal Injection Log‐Log Plot

Presenter
Presentation Notes
The log-log plot suggests linear flow after “closure”. Is this flow in cleats or in a horizontal parting or T-frac?
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Simulation of Radial Injection into 
Reservoir (const perm)

Presenter
Presentation Notes
A numerical model of injection into a constant permeability formation with no generated fractures follows the same trend as the coal test. Pressure rises continuously and fails to stabilize. 
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Radial Injection Simulation G‐Function

Presenter
Presentation Notes
The G-function of the falloff looks like possible tip extension and shows a peak and possible closure. 
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Radial Injection Simulation Log‐Log

Presenter
Presentation Notes
The late-time falloff adheres to the expected radial flow model. Permeability calculated in this case matches the model inputs. 
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Coal Injection: BH Gauge ISIP

GohWin Pumping Diagnostic Analysis Toolkit
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Presenter
Presentation Notes
The gauge ISIP after the shut-down was 4839 psi. This is a surface pressure of 2997 psi. The BH fracture frac extension gradient is 1.14 psi/ft. The ISIP is estimated at the time the reported rate went to zero. There is a short-term transient after shut-in in the pressure data that may be caused by wellbore fluid expansion. The actual value of ISIP, and any error in the estimate, will not affect the remainder of the analysis. The fracture extension pressure measured on the BH gauges was unstable during injection and varied from 3200 to 5090 psi (1.2 psi/ft) at 2.9 bpm. There is no distinct breakdown event suggesting that there are pre-existing open fractures or cleats in the coal connected to the well.
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Early‐time G‐function in a deep coal

GohWin Pumping Diagnostic Analysis Toolkit
Minifrac - G Function
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Presenter
Presentation Notes
The only other event in the G-function analysis that can be interpreted as a closure occurs almost immediately after shut-in at G=0.24. The BHP at this event is 4473 or 1.06 psi/ft. It is possible that the fracture induced by this test is primarily horizontal and the initial event is the closure of the horizontal parting. Later leakoff may be affected by fluid loss to vertical cleats. A dominant vertical fracture may not have been established by the injection. 
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Late‐time G‐function 
for deep coal

GohWin Pumping Diagnostic Analysis Toolkit
Minifrac - G Function

5 10 15 20
G(Time)

2500

2750

3000

3250

3500

3750

4000

4250

4500

4750

5000
A

0

100

200

300

400

500

600

700

800
D

  (0.002, 0)  

 (m = 83.89) 

  (6.388, 535.7)  

  (Y = 0)  

BH Gauge Pressure (psi)
Smoothed Pressure (psi)
1st Derivative (psi)
G*dP/dG (psi)

A
A
D
D

1

1 Closure
Time

5.90
BGP
3220

SP
3225

DP
1619

FE
75.82

Presenter
Presentation Notes
The G-function derivative shows no clear indication of closure and is similar to the DFIT 4 results. The best estimate of fracture closure occurs at Gc= 5.9 and WHP= 1378 psi. This gives a BHP of 3220 psi or 0.76 psi/ft as fracture closure gradient. Fluid efficiency for the water injection was 76%. The net fracture extension pressure, based on ISIP estimate, was 1619 psi above closure. The extreme curvature of the G-function semi-log derivative may be interpreted as PDL but is more likely caused by fracture extension after shut in. 
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Log‐Log Flow Regime Plot 
for Deep Coal 

GohWin Pumping Diagnostic Analysis Toolkit
Minifrac - Log Log
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Presenter
Presentation Notes
The apparent closure event is also marked on the log-log plot. After the end of variable fracture/wellbore storage the leakoff stabilizes at a near zero slope. This may indicate continued fracture extension during the falloff, or transition to another leakoff mechanism. After the possible closure event the derivative establishes a -0.18 slope, suggesting that there are no definable reservoir transient flow periods for analysis. 
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Pressure Diagnostics in 
Unconventional Reservoirs

• Information may be hidden in the details

• Some show reservoir transient behavior and 
some don’t

• Some show extended fracture/fissure transients 
with no actual closure after days of falloff

• Work is needed to correlate these signatures to 
production response

• The tests may suggest when shear‐enhanced 
fracturing is warranted and when fracture 
conductivity is required 

Presenter
Presentation Notes
Analysis of falloff tests in coals and shales must be carried out with caution. The results depend on the reservoir flow following assumed transient regimes and rules. If the model applied to the analysis is incorrect, the results can be misleading. 
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Conclusions

• Conventional and unconventional reservoirs may have very 
different stimulation needs

• Subtleties of pressure diagnostics need to be linked to well 
performance for unconventional reservoirs

• We need to accept that unconventional reservoir deliverability 
is not controlled by matrix properties (although storage is)

• We need to define and differentiate when exposed surface area 
is more important than conductivity

• Fluid, proppant, rate, and volume of design must be based on a 
specific stimulation goal

• We need to better understand and account for time‐
dependence of damage and conductivity

• We need to appreciate the time dependence and importance of 
drainage area and aspect ratio on EUR and stimulation 
economics

Presenter
Presentation Notes
Extrapolation of conventional paradigms to unconventional reservoirs can lead to disappointment and poor performance. Careful analysis of the reservoir and application of the correct stimulation design is critical when dealing with marginally economic developments. 
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